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Abstract  

Using coal as the primary fuel in the NPK fertilizer industry contributes significantly to carbon dioxide (CO₂) 

emissions, which negatively impact the environment and hinder the achievement of national decarbonization targets. 

To address this, this project aims to evaluate the technical and economic feasibility of switching from coal to natural 

gas in the furnace unit of the NPK fertilizer production process. As demands for efficiency and sustainability 

increase, the evaluation of fuel switching to natural gas is underway. This study re-simulates the combustion process 

in the furnace using Aspen Plus V14. Evaluation is carried out on thermal performance, CO₂ emissions, and 

economic indicators, including Capital Expenditure, Operational Expenditure, NPV, IRR, and Payback Period. The 

results show that natural gas achieves a thermal efficiency of 90.11% and reduces direct furnace CO₂ emissions by 

27.5% compared with coal. However, implementation requires replacement of the combustion system and 

installation of configuration-specific auxiliary equipment and piping, resulting in an incremental investment of USD 

72,120.17. The natural-gas configuration also increases annual OpEx by USD 12,594.33, primarily because of its 

higher fuel cost. Under the base-case incremental replacement and carbon-value assumptions, the project yields an 

NPV of USD 76,557.28, an IRR of 32.10%, a simple payback period of 3.04 years, and a discounted payback period 

of 4.01 years. Without monetization of the direct CO₂ reduction, the NPV decreases to −USD 128,543.85. Therefore, 

fuel switching provides technical and direct-emission benefits, but its economic feasibility is conditional on the 

assumed carbon value, fuel prices, and eligibility of the emission reduction for monetization. 
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1. Introduction 

The current global dynamics, particularly those related to geopolitical issues, have caused a worldwide crisis 

affecting the energy sector. This situation is believed to have increased international awareness of the importance of 

energy and national economic security, leading several countries to shift energy policies toward strengthening domestic 

capabilities. According to data from the past five years, fossil fuels, including oil, gas, and coal, continue to dominate 

and play a vital role in Indonesia's energy supply [1].  

Granulated NPK fertilizer production involves several downstream operations, including granulation, drying, 

screening, cooling, and coating. The drying unit is particularly relevant because wet granules leaving the granulator 

must be conditioned to the required final moisture content using a continuous supply of thermal energy. An evaluation 

of an Indonesian NPK steam-granulation plant reported that the rotary dryer reduced granule moisture from 

approximately 4% to below 1.5% and identified the dryer as one of the main process units [2]. In the plant evaluated in 

this study, the furnace provides the thermal energy required to produce the hot drying air. Consequently, switching the 

furnace fuel directly affects heat-supply performance, onsite CO₂ emissions, and operating costs, while the upstream 

NPK formulation and granulation stages remain outside the modification boundary. This direct coupling makes the 

furnace–dryer subsystem a well-defined and industrially relevant case for evaluating brownfield fuel switching. 

Alternative decarbonization pathways include post-combustion carbon capture, utilization, and storage; however, their 

economic feasibility remains a major implementation constraint [3], [4]. 

Using coal as an energy source in Indonesia faces several significant environmental, economic, and regulatory 

sustainability challenges. The main challenge relates to the ecological impact of coal combustion, which produces 

greenhouse gas emissions, particularly CO₂, which is a major contributor to climate change [5]. Coal combustion 
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produces significant amounts of CO₂ emissions and fly ash, which can lead to unhealthy environmental conditions [6]. 

Besides CO₂, coal combustion emits other pollutants such as sulfur dioxide (SOx) and nitrogen oxides (NOx), which 

negatively impact air quality and public health [7], [8]. 

The following sustainability challenge is the development of regulations at both the national and international 

levels that require reductions in carbon emissions and environmental pollution. Indonesia, through its Nationally 

Determined Contribution (NDC), initially aimed for a 29% reduction in emissions under business-as-usual (BAU) 

scenarios and a 41% reduction with conditions (with adequate international support) by 2030 [9]. This commitment 

indirectly binds and compels the government and industry to seek innovative solutions to reduce emissions from coal-

fired energy sources. This includes an energy transition supported by policies like the National Energy General Plan 

(RUEN), which aims for 23% renewable energy in the national energy mix by 2025 and 31% by 2050. Beyond the 

environmental and regulatory challenges, sustainability challenges also arise from an economic perspective, where the 

implementation of carbon pricing policies continues to increase alongside rising energy demand. Therefore, these 

sustainability challenges are expected to encourage the industry to reduce its reliance on coal and shift to cleaner energy 

sources, including natural gas. 

As an energy source, natural gas has the third-largest reserves in the world after coal and petroleum. In Indonesia, 

the role of natural gas as an energy source is becoming increasingly significant, aligning with policies aimed at reducing 

the reliance on oil as the primary energy source. This transition is supported by the government's commitment to the 

Clean Development Mechanism (CDM) under the Kyoto Protocol, in which natural gas is chosen as a more 

environmentally friendly alternative because it produces lower pollution [10]. Its advantage as an energy source lies in 

its lower carbon emissions, capable of reducing CO₂ emissions by up to 25% compared to other fossil fuels. 

Additionally, natural-gas combustion generally produces fewer particulate emissions than coal combustion [11]. 

However, the presence and environmental implications of sulfur compounds depend on the delivered-gas specification 

and any upstream gas-treatment processes [4], [12]. From an economic perspective, using natural gas is also more 

advantageous in the long term because its price is relatively stable and tends to be more economical than that of other 

fossil fuels. With these various advantages, natural gas has become one of the leading solutions in supporting the energy 

transition towards a more sustainable system [6]. 

Based on previous research, efforts to reduce carbon dioxide (CO₂) emissions from coal combustion show that 

PtG offers an effective solution to this problem by converting CO₂ emissions into energy [13]. The system used involves 

carbon capture, electrolysis, and methanation. The estimated emission reduction from this measure is from 62.5 million 

tons to 28.15 million tons. Recent assessments of industrial boilers and furnaces have shown that switching from 

conventional liquid or solid fuels to natural gas can reduce direct emissions and improve thermal performance, although 

the economic outcome remains dependent on fuel prices and equipment-modification requirements [14], [15]. 

However, switching from coal to natural gas requires significant investment and operational changes, so economic 

analysis is crucial to determine whether the investment is feasible. This analysis must consider initial investment costs, 

operational costs, fluctuating fuel prices, and potential return on investment. Additionally, switching value analysis is 

necessary due to changes in the flow of benefits and costs. These results will assist decision-makers in determining 

whether fuel switching is financially and economically viable [16]. 

Previous studies have generally evaluated coal-to-natural-gas switching at the power-generation or national 

energy-system level, whereas plant-specific assessments for thermal operations in fertilizer production remain limited. 

This study contributes by integrating a site-specific Aspen Plus combustion model with an incremental techno-

economic evaluation of replacing an existing coal-fired furnace with a natural-gas-fired system for an NPK fertilizer 

rotary dryer. The analysis simultaneously compares direct combustion emissions, thermal performance, capital 

requirements, operating-cost changes, and discounted-cash-flow indicators. The results therefore provide a case-

specific decision basis for brownfield fuel switching in the Indonesian fertilizer industry.  

 

Nomenclature 

ARE      absolute relative error 

CEPCI      chemical engineering plant cost index 

𝜂𝑡ℎ  thermal efficiency 
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𝑛𝑒𝑡 𝑄𝑔𝑒𝑛𝑒𝑟𝑎𝑡𝑒𝑑 net heat transferred to the drying-air stream 

𝑚̇𝑓𝑢𝑒𝑙  fuel mass flow-rate 

𝐻𝑉𝑓𝑢𝑒𝑙  fuel heating value 

𝑌𝑠𝑖𝑚  simulation result 

𝑌𝑝𝑙𝑎𝑛𝑡  plant operating value  

GJ     gigajoule 

adb     air-dried basis 

wt    percent by weight 

daf     dry ash free 

Q     heat 

2. Methodology 

2.1 Feed Specifications 

In this research, coal and natural gas are considered as raw materials for modeling combustion systems. Each fuel 

was characterized to support simulation accuracy and facilitate evaluation of its thermal performance. Based on the 

plant fuel specification, the coal was classified as sub-bituminous coal. In the Aspen Plus simulation environment, coal 

is categorized as a non-conventional solid. Therefore, analyzing the coal, including its proximate, ultimate, and sulfur 

analysis data, is necessary to estimate its characteristics [17]. 

Ultimate analysis, presented in Table 2, is used to determine the content of the main elements in coal, such as 

carbon (C), hydrogen (H), nitrogen (N), sulfur (S), chlorine (Cl), and oxygen (O). Meanwhile, proximate analysis, as 

shown in Table 1, provides data on the overall components of coal, namely moisture, volatile matter, fixed carbon, and 

ash. Sulfur analysis, depicted in Table 3, is also conducted to determine the distribution of sulfur content in coal, 

including pyritic sulfur, organic sulfur, and sulfate sulfur. This data is crucial for identifying the potential for sulfur gas 

emissions, such as SO₂, and determining the requirements for emission control systems in combustion processes. 

Unlike coal, natural gas was treated as a conventional mixture and defined directly from the component-wise molar 

composition of a natural-gas stream supplied to an Indonesian petrochemical plant. The composition used as the Aspen 

Plus feed input is presented in Table 4. 

 

Table 1. Proximate Analysis of Feed Coal 

Proximate Analysis Value Base 

Moisture Content 4.9 % adb 

Ash 9.2 % adb 

Volatile Matter 45.7 % adb 

Fixed Carbon 45.1 % adb 

 

Table 2. Ultimate Analysis of Feed Coal 

Ultimate Analysis Value Base 

Ash 9.2 % adb 

Carbon 67.1 % daf 

Hydrogen  4.8 % daf 

Nitrogen  1.1 % daf 

Chlorine  0.1 % daf 

Sulfur  1.3 % daf 

Oxygen  16.4 % daf 
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Table 3. Sulfur Analysis of Feed Coal 

Sulfur Analysis Value Base 

Pyritic  0.6 % wt 

Sulfate  0.1 % wt 

Organic  0.6 % wt 

 

Table 4. Molar composition of natural gas feed 

Component Name Molecule %mol 

Methane CH4 95.647 
Ethane C2H6 1.020 

Propane C3H8 0.367 
Isobutane C4H10 0.021 
N-Pentane C5H12 0.008 
N-Hexane C6H14 0.026 
N-Butane C4H10 0.082 
Nitrogen N2 0.341 

Carbon-Dioxide CO2 2.400 

 

The natural-gas composition in Table 4 was obtained from the petrochemical company and represents the gas 

delivered to the plant boundary. The natural-gas heating value used in the simulation was 1006.866 Btu/scf. Sulfur-

containing species, such as hydrogen sulfide, carbonyl sulfide, and mercaptans, were not reported in the available 

composition data and were therefore not included in the Aspen Plus model. This treatment should not be interpreted as 

confirmation that the natural gas contains zero sulfur. Gas absorption is commonly applied to remove acid gases such 

as H₂S and CO₂ from gas streams [4]. However, any upstream gas-sweetening or sulfur-removal process required to 

meet the delivered-gas specification was outside the system boundary of this study. 

The fuel-characterization data presented in Tables 1–4 constitute the primary compositional inputs for reproducing 

the combustion models. Coal was defined using its proximate, ultimate, and sulfur analyses because it was treated as a 

non-conventional component in Aspen Plus. In contrast, natural gas was defined as a conventional mixture using its 

component-wise molar composition and heating value. These fuel specifications were subsequently combined with the 

operating conditions, thermodynamic methods, and reactor configurations summarized in Table 5.  

 

2.2 Process Description 

The coal- and natural-gas-fired furnace systems were modeled using Aspen Plus V14 to represent fuel combustion 

and hot-gas generation for the NPK fertilizer rotary dryer. The fuel properties and compositions reported in Tables 1–

4 were used as the principal feed inputs for the respective combustion models. The two configurations were then 

developed using their corresponding thermodynamic methods, feed-flow bases, air-supply conditions, reactor models, 

operating conditions, and combustion reactions. To complement the fuel-characterization data and provide a 

reproducible simulation basis, the principal assumptions and model specifications applied to both configurations are 

summarized in Table 5.  

Table 5. Aspen Plus simulation basis and technical differences 

Parameters Coal Furnace Simulation Natural Gas Simulation 

Fuel representation 
Non-conventional solid defined by 

proximate, ultimate, and sulfur analyses 

Conventional gas mixture defined by 

component-wise molar composition 

Property Package Peng-Robinson Peng-Robinson 

Reactor Model RYield, RStoic, RCSTR RCSTR 

Operating Temperature (oC) 650 – 1200 1200 – 1600 

Operating Pressure (bar) 1 0.975 

Air Mass Flow (kg/hr) 5600 6566.7 
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Figure 1 presents the coal- and natural-gas-fired configurations within the same furnace–dryer system boundary. 

To preserve the visibility of unit operations and streams, the two wide Aspen Plus flowsheets are presented as a 

composite figure with vertically arranged panels. This format allows direct comparison of the fuel-handling, feed-

preparation, and combustion sections while maintaining readability. 

 

 

 

Figure 1. Comparative Aspen Plus flowsheets of the furnace–dryer system: (a) coal-fired configuration and (b) 

natural-gas-fired configuration. 

 

2.2.1. Coal Furnace 

The coal-fired configuration is shown in Figure 1(a). Coal was defined as a non-conventional component using 

the proximate, ultimate, and sulfur analyses reported in Tables 1–3. In RYield R-1, the coal was decomposed into 

conventional solid and gaseous species, including solid carbon, CO, CO₂, H₂, H₂O, CH₄, N₂, sulfur-containing species, 

and ash-related components. This approach enables the non-conventional coal feed to be represented in the subsequent 

stoichiometric and kinetic reaction blocks [17], [18]. 

The decomposition products were mixed with combustion air in Mixer M-1 and preheated in Exchanger H-1 

before entering the combustion sequence. Oxidation of the volatile components was first represented in RStoic R-2 

using the specified stoichiometric reactions. The remaining solid carbon and gaseous species were then oxidized in five 

sequential RCSTR blocks, R-3 through R-7, under steady-state and perfectly mixed conditions. The sequential reactor 

arrangement was used to represent changes in reaction progress, gas composition, and temperature along the modeled 

combustion section. The apparent Arrhenius power-law kinetics are described in Section 2.2.4 and Table 6 [18].   

The resulting hot combustion gas was directed to HeatX H-2, where heat was transferred to the drying-air stream 

while maintaining physical separation between the combustion gas and the heated air. The heated air was subsequently 

supplied to rotary dryer D-1 for the NPK drying process. Energy streams associated with the decomposition, 

combustion, and heat-transfer blocks were used to determine the total heat generated and the useful heat transferred to 

the drying-air stream. The calculated heat output, direct CO₂ emission rate, and thermal efficiency were subsequently 

compared with the corresponding plant operating data in Section 3.1.  

 

 

(a) 

(b) 
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2.2.2. Natural Gas Furnace 

The natural-gas-fired configuration is shown in Figure 1(b). Unlike coal, natural gas was represented as a 

conventional gaseous mixture using the component-wise molar composition reported in Table 4. Consequently, the 

natural-gas model did not require an RYield decomposition block or an RStoic conversion block. The natural-gas and 

combustion-air streams were combined in Mixer M-1 and preheated in Exchanger H-1 to the specified combustion-

inlet condition before entering the reactor sequence. 

Combustion was modeled using four sequential RCSTR blocks, R-1 through R-4, operated under steady-state, 

perfectly mixed conditions. The reaction set included complete and partial oxidation of methane and complete oxidation 

of the higher hydrocarbons present in the natural-gas feed. The use of simplified global reaction schemes for methane 

and higher alkane oxidation follows the approaches developed by previous studies [19], [20]. The apparent Arrhenius 

power-law kinetic expressions and corresponding parameters are presented in Section 2.2.4 and Table 7. The sequential 

reactor arrangement was used to represent changes in hydrocarbon conversion, combustion-product composition, and 

temperature throughout the modeled combustion section. 

The hot combustion gas was subsequently directed to HeatX H-2 to transfer heat to the same drying-air stream 

and rotary dryer D-1 used in the coal configuration. This common downstream boundary enables the technical 

comparison to focus on differences in fuel handling, feed preparation, combustion configuration, and air demand. The 

compressor and gas-distribution piping were included in the equipment-cost boundary, although the natural-gas inlet 

pressure was specified directly in the Aspen Plus model rather than simulated using a separate compressor block. The 

calculated heat output, direct CO₂ emission rate, and thermal efficiency were evaluated against plant operating data in 

Section 3.1.  

 

2.2.3. Technical Comparison of the Fuel Configurations  

Figure 1 presents the coal- and natural-gas-fired configurations using a common furnace–dryer system boundary. 

Both configurations ultimately transfer the generated combustion heat through HeatX H-2 to the drying-air stream 

supplied to the same rotary dryer. Consequently, the principal technical differences occur in the fuel-handling, feed-

preparation, and combustion sections rather than in the downstream drying process. 

The coal configuration requires a solid-fuel conveyor and treats coal as a non-conventional component. Coal is 

initially decomposed in the RYield block, followed by stoichiometric conversion of the volatile products in RStoic and 

subsequent oxidation in the RCSTR sequence. This configuration must therefore represent devolatilization, solid-

carbon oxidation, and ash-containing streams. In contrast, natural gas is introduced as a conventional gaseous mixture 

and does not require a decomposition block. The fuel is compressed, mixed with combustion air, preheated, and 

supplied directly to the RCSTR sequence. 

Fuel switching consequently simplifies solid-fuel handling and eliminates the ash-forming feed from the 

combustion system, but requires a compressor and a dedicated gas-distribution and piping system. The two models also 

use different air-flow rates and combustion-temperature ranges. These changes affect the required equipment, installed 

capital cost, fuel and utility expenditure, direct CO₂ emissions, and thermal performance evaluated in the subsequent 

sections. Previous assessments of coal-fired industrial boilers have similarly shown that fuel-switching decisions 

involve trade-offs between fixed costs, operating costs, energy performance, and emissions [15]. The main technical 

differences are summarized in Table 5. 

If sulfur compounds are present at concentrations requiring treatment at the plant, additional gas-cleaning or 

polishing equipment may be required; acid-gas absorption is one commonly applied treatment option [4]. Acidic service 

conditions can require dedicated corrosion-control measures for pipeline steels [21], while H₂S-containing sour 

environments can accelerate carbon-steel corrosion and require appropriate inhibition or material-protection strategies 

[22]. During combustion, H₂S and other sulfurous species may form SO₂ and related sulfur-containing products [12]. 

These additional requirements could increase installed capital cost, utility consumption, maintenance requirements, 

and annual operating expenditure. Because the concentrations and forms of sulfur compounds were unavailable, these 

effects were not quantified. The reported technical and economic results are therefore conditional on the delivered 

natural-gas specification presented in Table 4. 
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2.2.4. Reaction Kinetic Model 

The reactions implemented in the RCSTR blocks were represented using an apparent Arrhenius power-law kinetic 

model. This common formulation was applied to both the coal-derived species and the natural-gas components to 

maintain consistency in the kinetic implementation. In the coal configuration, the RYield block first decomposed the 

non-conventional coal into conventional species, including solid carbon and volatile components. Consequently, 

oxidation of the resulting solid carbon was represented as a global power-law reaction between carbon and the gaseous 

reactants rather than through a separate particle-scale char-combustion submodel. The reaction rate for reaction j was 

calculated using Equation (1).  

 

𝑟𝑗 = 𝐴𝑗𝑇𝑛𝑗 exp (−
𝐸𝑎,𝑗

𝑅𝑇
) ∏ 𝐶

𝑖

𝑎𝑖,𝑗

𝑖

 
(1) 

 

where 𝑟𝑗  is the rate of reaction 𝑗, 𝐴𝑗 is the pre-exponential factor, 𝑇 is the reactor temperature in K, 𝑛𝑗 is the temperature 

exponent, 𝐸𝑎,𝑗 is the activation energy in 𝑘𝐽. 𝑚𝑜𝑙−1, 𝑅 is the universal gas constant, 𝐶𝑖 is the concentration of reactant 

𝑖, and 𝛼𝑖,𝑗  is the corresponding reaction order. The apparent kinetic parameters were obtained from the supporting 

literature and entered into the Power Law reaction model in Aspen Plus. The concentration basis, reaction-rate basis, 

and units of the pre-exponential factor were defined consistently with the settings used in the simulation. The reaction-

rate basis 𝑟𝑗  was 𝑘𝑚𝑜𝑙. 𝑚−3. 𝑠−1, and reactant concentrations 𝐶𝑖 were expressed in 𝑘𝑚𝑜𝑙. 𝑚−3. The coal combustion 

reaction set includes oxidation of solid carbon, volatile components, carbon monoxide, hydrogen, and nitrogen-

containing species. The corresponding reaction orders and Arrhenius parameters are summarized in Table 6. The 

natural-gas reaction set includes complete and partial oxidation of methane and the complete oxidation of the higher 

hydrocarbons present in the natural-gas feed, as summarized in Table 7. 

 

Table 6.  Power-law kinetic parameters for coal combustion reactions 

Reaction (𝒋) 𝑨𝒋, (𝒔−𝟏) 𝒏𝒋 𝑬𝒂,𝒋, 𝒌𝑱. 𝒎𝒐𝒍−𝟏 
Reaction 

orders 𝜶𝒊,𝒋 
Reference 

𝐶 + 𝑂2 → 𝐶𝑂2  4.53 × 102 0 1.495 × 103 𝑂2: 1 

[23] 

𝐶𝑂 + 0.5𝑂2 → 𝐶𝑂2  1.9 × 106 0 8.056 

𝐶𝑂: 1  

𝑂2: 0.3  

𝐻2𝑂: 0.5  

𝐶𝐻4 + 1.5𝑂2 → 𝐶𝑂 + 2𝐻2𝑂  1.585 × 1010 0 24.157 
𝐶𝐻4: 0.7  

𝑂2: 0.8  

𝐻2 + 0.5𝑂2 → 𝐻2𝑂  1.63 × 109 1.5 3.240 
𝑂2: 1  

𝐻2: 1.5  

𝑁𝐻3 + 1.25𝑂2 → 𝑁𝑂 + 1.5𝐻2𝑂  3.38 × 107 0 10.000 
𝑁𝐻3: 1  

𝑂2: 1  

𝑁𝐻3 + 0.75𝑂2 → 0.5𝑁2 + 1.5𝐻2𝑂  3.38 × 107 0 10.000 
𝑁𝐻3: 1  

𝑂2: 1  

𝐻𝐶𝑁 + 0.75𝑂2 → 0.5𝐻2 + 𝐶𝑂 + 0.5𝑁2𝑂  2.14 × 105 0 10.000 
𝐻𝐶𝑁: 1  

𝑂2: 1  

0.5𝑁2 + 0.5𝑂2 → 𝑁𝑂  3 × 1014 0 65.300 
𝑁2: 1  

𝑂2: 0.5  

𝑁𝑂 + 𝐶 → 𝐶𝑂 + 0.5𝑁2  5.85 × 107 0 12.000 𝑁𝑂: 1  

𝑁𝑂 + 𝐶𝑂 → 𝐶𝑂2 + 0.5𝑁2  1.952 × 1010 0 19.000 𝐶𝑂: 1  

𝑁2𝑂 + 𝐶 → 𝐶𝑂 + 𝑁2  2.9 × 109 0 16.983 𝑁2𝑂: 1  

𝑁2𝑂 + 𝐶𝑂 → 𝐶𝑂2 + 𝑁2  5.01 × 1013 0 5.292 
𝐶𝑂: 1  

𝑁2𝑂: 1  

 



IPTEK, The Journal of Engineering, Vol. 12, No. 1, 2026 (eISSN: 2807-5064) 

 

66 

 

 

Table 7.  Power-law kinetic parameters for natural gas combustion reactions 

Reaction (𝒋) 𝑨𝒋, (𝒔−𝟏) 𝒏𝒋 𝑬𝒂,𝒋, 𝒌𝑱. 𝒎𝒐𝒍−𝟏 
Reaction 

orders 𝜶𝒊,𝒋 
Ref. 

𝐶𝐻4 + 0.5𝑂2 → 𝐶𝑂 + 2𝐻2  4.40 × 1011 0 1.256 × 105 
𝐶𝐻4: 0.5  

𝑂2: 1.25  
[19] 

𝐶𝐻4 + 1.5𝑂2 → 𝐶𝑂 + 2𝐻2𝑂  1.585 × 1010 0 24.157 
𝐶𝐻4: 0.7  

𝑂2: 0.8  

[23]  

𝐶𝐻4 + 2𝑂2 → 𝐶𝑂2 + 2𝐻2𝑂  1.3 × 108 0 202.506 
𝐶𝐻4: −0.3  

𝑂2: 1.3  

[20] 

𝐶2𝐻6 + 3.5𝑂2 → 2𝐶𝑂2 + 3𝐻2𝑂  6.19 × 109 0 125.520 
𝐶2𝐻6: 0.1  

𝑂2: 1.65  

𝐶3𝐻8 + 5𝑂2 → 3𝐶𝑂2 + 4𝐻2𝑂  4.84 × 109 0 125.520 
𝐶3𝐻8: 0.1  

𝑂2: 1.65  

𝑛 − 𝐶4𝐻10 + 6.5𝑂2 → 4𝐶𝑂2 + 5𝐻2𝑂  4.16 × 109 0 125.520 
𝑛 − 𝐶4𝐻10: 0.15  

𝑂2: 1.60  

𝑛 − 𝐶5𝐻12 + 8𝑂2 → 5𝐶𝑂2 + 6𝐻2𝑂  3.60 × 109 0 125.520 
𝑛 − 𝐶5𝐻12: 0.25  

𝑂2: 1.50  

𝑛 − 𝐶6𝐻14 + 9.5𝑂2 → 6𝐶𝑂2 + 7𝐻2𝑂  3.21 × 109 0 125.520 
𝑛 − 𝐶6𝐻14: 0.25  

𝑂2: 1.50  

 

2.3 Process Evaluation Parameters 

The dependent variables observed in this paper include CO₂ emissions generated from combustion processes using 

coal and natural gas, as well as techno-economic parameters such as Capital Expenditure, Operational Expenditure, 

NPV, IRR, and Payback Period. The independent variables used in this paper are the process configurations in the 

energy supply system for furnaces, specifically comparing the use of coal and natural gas. 

 

2.3.1 Direct Combustion Emission Analysis  

The environmental evaluation in this study was limited to direct emissions within the furnace system boundary. 

The boundary covers the fuel and combustion-air inputs and the resulting flue-gas outlet. Emissions associated with 

fuel extraction, processing, transportation, distribution, and fugitive methane leakage were not included. Accordingly, 

the calculated emissions represent onsite combustion emissions and should not be interpreted as a complete life-cycle 

carbon footprint. Fossil-fuel combustion is a major source of greenhouse-gas emissions and air pollutants [8]. Coal 

produces relatively high CO₂ emissions because of its high carbon content and may also generate sulfur oxides, 

particulates, ash, and unburned-carbon residues. In comparison, natural gas is predominantly composed of methane 

and has a higher hydrogen-to-carbon ratio, resulting in lower direct CO₂ emissions per unit of energy supplied. However, 

methane is itself a potent greenhouse gas. Therefore, the environmental benefit of switching to natural gas depends not 

only on its combustion-related CO₂ emissions but also on unburned methane at the furnace outlet and methane releases 

throughout the natural-gas supply chain [6]. 

Direct combustion emissions were evaluated using the CO₂ mass flow predicted by the Aspen Plus model and 

an emission-factor-based CO₂ estimate. The Aspen Plus result represents the process-specific CO₂ flow at the furnace 

outlet, whereas the emission-factor method provides an independent estimate based on the fuel energy input. The 

emission-factor-based direct CO₂ emission was calculated using Equation (2).  

 

𝐸𝐶𝑂2,𝐸𝐹 = 𝐸𝐹𝑓𝑢𝑒𝑙𝑄𝑓𝑢𝑒𝑙 (2) 

 

where 𝐸CO2,EF is the emission-factor-based direct CO₂ emission rate, 𝐸𝐹fuelis the fuel-specific CO₂ emission factor, 

and 𝑄fuelis the fuel energy-input rate. Fossil-fuel combustion is a major source of greenhouse-gas emissions and air 
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pollutants [8]. The emission factors adopted for sub-bituminous coal and natural gas were 96.1 and 56.1 kg CO₂/GJ, 

respectively [24], [25]. 

 

2.3.2 Techno-Economic Analysis 

Capital expenditure (CAPEX) represents the initial investment required for combustion-system replacement. In 

this study, the installed capital cost within the selected project boundary was limited to the purchased cost of the furnace 

(𝐶𝑓𝑢𝑟𝑛𝑎𝑐𝑒,𝑗)  and configuration-specific auxiliary equipment (𝐶𝑎𝑢𝑥,𝑗) , together with installation (𝐶𝑖𝑛𝑠𝑡𝑎𝑙𝑙𝑎𝑡𝑖𝑜𝑛,𝑗)  and 

piping costs (𝐶𝑝𝑖𝑝𝑖𝑛𝑔,𝑗) . Costs associated with new buildings, site development, utility-system expansion, control-

system replacement, and working capital were excluded because the evaluation concerns modification of an existing 

operating facility. The installed CapEx of each configuration and the purchased furnace cost were calculated using 

Equations (3) and (4), respectively. 

 

𝐶𝐴𝑃𝐸𝑋𝑗 = 𝐶𝑓𝑢𝑟𝑛𝑎𝑐𝑒,𝑗 + 𝐶𝑎𝑢𝑥,𝑗 + 𝐶𝑖𝑛𝑠𝑡𝑎𝑙𝑙𝑎𝑡𝑖𝑜𝑛,𝑗 + 𝐶𝑝𝑖𝑝𝑖𝑛𝑔,𝑗  (3) 

𝐶𝑒 = 𝑎 + 𝑏𝑆𝑛 (4) 

 

According to Towler and Sinnot, the furnace equipment cost can be estimated by its corresponding capacity, as 

suggested in Equation (4) [26]. Where 𝐶𝑒 represents the cost of equipment purchased, both a and b are the cost constants, 

S is the size parameter, and n is the exponent for the type of equipment used. The constant and exponent values used 

in the equation may vary even when used for the same type of equipment. Each piece of equipment may have different 

technical specifications, such as operating pressure and temperature, material type, and additional designs or features 

that affect costs. In addition, differences in values can also arise because the data sources used to determine these 

parameters are not always consistent. This inconsistency depends on the cost estimation curve used, the regression 

method, and the range of equipment sizes at the time of data collection. So, even though the equipment generally looks 

similar, different technical details and calculation assumptions can cause the constant and exponent values to change. 

Meanwhile, the size parameter (S) value is obtained based on the design calculations from the technical specifications 

of the equipment used. This value represents the capacity or main dimensions of the equipment, which is used as a 

reference in determining the cost estimate. 

After determining the price of the required equipment, it is adjusted to the CEPCI year used to update the price 

according to the year the equipment is used [27]. As shown in Equation (5), the updated cost of equipment in 2025, 

𝐶𝑒,2025, is obtained by multiplying the equipment cost, 𝐶𝑒,𝑟𝑒𝑓, obtained in Equation (4) by the cost factor of comparison 

between CEPCI in 2025 and the CEPCI of the reference year associated with the cost correlation in Equation (4). Due 

to the unavailable data for CEPCI in 2025, the value is obtained through a linear regression approach based on historical 

CEPCI data for the year. The plot results produce a line equation, as shown in Equation (6), to project the CEPCI value 

for the analysis year. 

 

𝐶𝑒,2025 = 𝐶𝑒,𝑟𝑒𝑓  𝑥 
𝐶𝐸𝑃𝐶𝐼2025

𝐶𝐸𝑃𝐶𝐼𝑟𝑒𝑓
 (5) 

𝐶𝐸𝑃𝐶𝐼𝑦  =  10.774𝑦 −  21133 (6) 

 

For this preliminary estimate, installation and piping costs were assumed to equal 25% and 15%, respectively, 

of the combined purchased cost of the furnace and configuration-specific auxiliary equipment, following a factorial 

cost-estimation approach [26]. Operational expenditure covers routine operational costs incurred, including direct and 

indirect costs such as fuel consumption, maintenance, and labor during the operational period. The amount is calculated 

based on the annual costs incurred during operation, using an approach shown in Equation (7). 

 

𝑂𝑃𝐸𝑋𝑗 = 𝐶𝑑𝑖𝑟𝑒𝑐𝑡,𝑗 + 𝐶𝑖𝑛𝑑𝑖𝑟𝑒𝑐𝑡,𝑗  (7) 
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where 𝑂𝑃𝐸𝑋𝑗 is the annual operating expenditure of configuration 𝑗, while 𝐶direct,𝑗 and 𝐶indirect,𝑗 are its annual direct 

and indirect operating costs, respectively. 

Direct costs include costs directly related to factory operations, such as fuel consumption, supporting raw 

materials, utilities (electricity, water, and steam), and direct labor. Indirect costs include maintenance, supervision, 

administration, and other operational overheads. Each cost component is calculated based on consumption rates, annual 

operating time, and respective unit prices to obtain an estimated annual OpEx used in the economic evaluation. 

The financial evaluation was conducted on an incremental replacement, unlevered, and pre-corporate-income-

tax basis using constant 2025 USD. Property-related taxes estimated as part of annual operating costs were retained, 

whereas corporate income-tax payments and depreciation tax benefits were excluded. The existing coal-fired furnace 

was assumed to require replacement at the beginning of the evaluation period; therefore, the natural-gas configuration 

was compared with a replacement coal-fired configuration. A project lifetime of 10 years and annual operating time of 

7,920 h were adopted. A discount rate of 12% was selected as the base-case minimum required rate of return, consistent 

with the basis used in a previous process-economic assessment [28]. Financing costs, principal repayments, annual 

price escalation, and working capital were excluded. The incremental investment was calculated using Equation (8). 

The annual incremental cash flow consists of the difference in operating expenditure, which is calculated by Equation 

(9), and the assumed monetary benefit from the reduction in direct CO₂ emissions, as shown in Equation (10). 

 

𝐼0 = 𝐶𝐴𝑃𝐸𝑋NG − 𝐶𝐴𝑃𝐸𝑋coal (8) 

Δ𝑂𝑃𝐸𝑋 = 𝑂𝑃𝐸𝑋coal − 𝑂𝑃𝐸𝑋NG (9) 

Δ𝐶𝐹𝑡 = Δ𝑂𝑃𝐸𝑋 + Δ𝑀CO2
𝑃C (10) 

 

where 𝐼0 is the incremental investment, Δ𝑂𝑃𝐸𝑋 is the difference between annual coal and natural gas operating costs, 

Δ𝐶𝐹𝑡 is the annual incremental cash flow, Δ𝑀CO2
 is the annual reduction in direct CO₂ emissions, 𝑃C is the assumed 

carbon value. A positive Δ𝑂𝑃𝐸𝑋 represents an operating-cost saving from fuel switching, whereas a negative value 

represents an increase in annual operating cost. The monetization of the direct CO₂ reduction was treated as a base-

case scenario assumption. The calculation assumes that the complete direct emission reduction is eligible for 

monetization and that registration, monitoring, verification, and transaction costs are excluded. A carbon value of USD 

12.84/tCO₂ was retained as a project-specific base-case assumption rather than an observed market price. This value 

lies within the low-to-moderate carbon-incentive range of USD 10–30/tCO₂ adopted in a previous scenario-based 

assessment of carbon-utilization projects [28]. 

For the final project year, the salvage value (𝑆𝑉) was added to the annual cash flow, as shown in Equation (11). 

The terminal salvage value was assumed to equal 10% of the purchased cost of the natural-gas furnace and was 

recognized as a cash inflow in year 10. No residual value was assigned to the compressor, piping, or installation costs.  

 

Δ𝐶𝐹10 = Δ𝐶𝐹𝑡 + 𝑆𝑉 (11) 

 

Net Present Value (NPV), calculated using Equation (12), represents the difference between the present value of 

future incremental cash flows and the initial incremental investment. A positive NPV indicates that the project creates 

economic value relative to the selected discount rate, whereas a negative NPV indicates that the discounted benefits 

are insufficient to recover the incremental investment. 

 

𝑁𝑃𝑉 = −𝐼0 + ∑
∆𝐶𝐹𝑡

(1 + 𝑟)𝑡

𝑁

𝑡=1

 (12) 

 

where 𝐼0 is the incremental investment, Δ𝐶𝐹𝑡 is the incremental cash flow in year 𝑡, 𝑟 is the discount rate, and 𝑁 is the 

project lifetime. 



IPTEK, The Journal of Engineering, Vol. 12, No. 1, 2026 (eISSN: 2807-5064) 

 

69 

 

The Internal Rate of Return (IRR), calculated using Equation (13), is the discount rate at which the project NPV 

equals zero. Under the selected decision criterion, the project is economically acceptable when its IRR exceeds the 

minimum required rate of return.  

 

0 = −𝐼0 + ∑
∆𝐶𝐹𝑡

(1 +  𝐼𝑅𝑅)𝑡

𝑁

𝑡 =1

 (13) 

 

where 𝐼0  is the incremental investment, Δ𝐶𝐹𝑡  is the incremental cash flow in year 𝑡 , 𝐼𝑅𝑅  is the discount rate that 

produces an NPV of zero, and 𝑁 is the project lifetime. 

Because the IRR equation is nonlinear, the IRR value is generally determined using numerical methods, such as 

trial and error, interpolation, or spreadsheet software like Microsoft Excel. In this study, IRR was determined 

numerically using the Goal Seek function in Microsoft Excel. Meanwhile, the payback period, is calculated by Equation 

(14), indicates the time required to recover the initial investment based on the cash flow generated, thus serving as a 

benchmark for the speed of capital return.  

 

𝑃𝑃 = 𝑛 + (
𝑎 − 𝑏

𝑐
) (14) 

 

where 𝑛 is the last complete year before investment recovery, 𝑎 is the incremental investment, 𝑏 is the cumulative cash 

flow through year 𝑛, and 𝑐 is the cash flow occurring during year 𝑛 + 1. The simple payback period was calculated 

using undiscounted incremental cash flows, whereas the discounted payback period was determined from cumulative 

cash flows discounted at 12%. This analysis aims to provide a comprehensive overview of whether switching from 

coal to natural gas as a fuel source is economically feasible, in line with increasing energy efficiency and reducing 

carbon emissions. The results of this analysis will serve as a basis for decision-making to assess the extent of fuel 

switching’s impact on the sustainability and profitability of the production system. 

 

3 Results and Discussion 

 

3.1 Model Verification against Plant Data  

The coal and natural gas combustion models were evaluated against operational data supplied by an Indonesian 

petrochemical company. The industrial dataset included heat output, CO₂ emission rate, and thermal efficiency for the 

corresponding coal and natural gas furnace configurations. Comparison of process-simulation outputs with measured 

combustion data has also been used to verify Aspen Plus coal-combustion models in previous studies [18]. Thermal 

efficiency was calculated using Equation (15), based on the ratio between the useful heat output and the energy supplied 

by the fuel: 

𝜂𝑡ℎ =
𝑛𝑒𝑡 𝑄𝑔𝑒𝑛𝑒𝑟𝑎𝑡𝑒𝑑

𝑚̇𝑓𝑢𝑒𝑙 . 𝐻𝑉𝑓𝑢𝑒𝑙
× 100% (15) 

 

where 𝜂th is the thermal efficiency, 𝑛𝑒𝑡 𝑄𝑔𝑒𝑛𝑒𝑟𝑎𝑡𝑒𝑑 is the heat transferred to the drying-air stream, 𝑚̇fuel is the fuel mass-

flow rate, and 𝐻𝑉fuel is the heating value of the fuel. The values used for comparison represent nominal steady-state 

operating conditions at the air-supply rates, furnace temperatures, and pressures specified in Section 2.2 and Table 5. 

The representative plant values used for model comparison are reported in Tables 8 and 9. Accordingly, this evaluation 

verifies model consistency at the specified plant operating conditions rather than establishing predictive accuracy over 

the complete furnace operating range. The absolute relative error (ARE), defined in Equation (16), was calculated 

separately for each evaluated parameter. 

 

𝐴𝑏𝑠𝑜𝑙𝑢𝑡𝑒 𝑅𝑒𝑙𝑎𝑡𝑖𝑣𝑒 𝐸𝑟𝑟𝑜𝑟 (𝐴𝑅𝐸) = |
𝑌𝑠𝑖𝑚 − 𝑌𝑝𝑙𝑎𝑛𝑡

𝑌𝑝𝑙𝑎𝑛𝑡
| × 100% (16) 
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where 𝑌sim and 𝑌plant represent the simulation result and the corresponding plant value, respectively. Heat output, CO₂ 

emission rate, and thermal efficiency were assessed individually because they represent different physical quantities 

and have substantially different numerical scales. Combining them into a single aggregate error could obscure a 

relatively large deviation in one parameter.  

The values used for comparison represent nominal steady-state operating conditions at the fuel flow rates, air-

supply conditions, furnace temperatures, and pressures specified in Section 2.2 and Table 5. The aggregated plant 

values used for model comparison are reported in Tables 8 and 9. Accordingly, this evaluation is intended to verify 

model consistency at the specified plant operating conditions rather than establish predictive accuracy over the 

complete furnace operating range. 

 

Table 8. Comparison of the Coal-Combustion Model with Plant Operating Data 

Parameter Simulation Plant Data ARE (%) 

Heat Output, kW 4357.499 4357.500 0.000023 

CO₂ Emission, kg/h 1297.41 1297.58 0.0131 

Thermal Efficiency, % 89.91 76.00 18.30 

 

Table 9. Comparison of the Natural-Gas-Combustion Model with Plant Operating Data 

Parameter Simulation Plant Data ARE (%) 

Heat Output, kW 5789.639 5789.600 0.000674 

CO₂ Emission, kg/h 940.456 940.560 0.0111 

Thermal Efficiency, % 90.11 84.60 6.51 

 

Tables 8 and 9 show that the predicted heat output and CO₂ emission rate closely agree with the corresponding 

plant data. For the coal configuration, the absolute relative errors for heat output and CO₂ emissions were 0.000023% 

and 0.0131%, respectively. For the natural-gas configuration, the corresponding errors were 0.000674% and 0.0111%. 

These results indicate that the principal heat-output and direct-emission predictions are numerically consistent with the 

selected plant operating data. A similar verification approach, involving comparison between Aspen Plus combustion-

model outputs and measured data, has been reported by Liu et al. [18].  

Greater deviations were observed for thermal efficiency. The coal model predicted a thermal efficiency of 89.91%, 

compared with the plant value of 76.00%, corresponding to an ARE of 18.30% and an absolute difference of 13.91 

percentage points. The natural-gas model predicted 90.11%, compared with the plant value of 84.60%, resulting in an 

ARE of 6.51% and an absolute difference of 5.51 percentage points. 

The larger deviation in the coal configuration may be attributed to steady-state model idealizations, including 

incomplete representation of furnace-wall radiation and convection losses, sensible heat carried by ash, incomplete 

combustion, and unburned-carbon losses. Differences between nominal model inputs and variable plant operation may 

also contribute to the deviation. Previous numerical studies have shown that coal-furnace predictions are influenced by 

combustion-air distribution and operating conditions, while detailed treatment of gas–solid behavior and combustion 

reactions affects agreement with measured data [7], [18]. Consequently, the models are considered suitable for 

comparing heat output and direct CO₂ emissions at the specified operating conditions, whereas their absolute thermal-

efficiency predictions, particularly for coal combustion, should be interpreted cautiously. 

Detailed information on measurement uncertainty and instrument calibration was unavailable for all variables 

because the operational dataset was supplied in aggregated form under industrial confidentiality restrictions. Therefore, 

measurement uncertainty could not be quantified or propagated through the model-verification calculations. Moreover, 

the available plant data were limited to the specified nominal operating conditions. Verification over broader variations 

in fuel flow, excess air, and furnace temperature, as well as a formal parametric sensitivity analysis, was therefore 
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outside the scope of this study. The results should consequently be interpreted as a comparative model evaluation at 

the stated operating conditions rather than as evidence of predictive accuracy throughout the entire furnace operating 

envelope. 

 

3.2 Direct Combustion Emission Results  

Table 10 compares the direct CO₂ emission rates obtained from the Aspen Plus model and the corresponding 

emission-factor-based estimates. The Aspen Plus simulation predicted direct CO₂ emissions of 1.297 t/h for coal and 

0.941 t/h for natural gas. Therefore, switching from coal to natural gas reduced the modeled onsite CO₂ emission rate 

by approximately 27.5%. The emission-factor method similarly produced lower direct emissions for natural gas, with 

estimates of 1.648 t CO₂/h for coal and 1.105 t CO₂/h for natural gas, corresponding to a reduction of approximately 

33.0%. The difference between the two calculation methods arises because the Aspen Plus results account for the 

specific fuel composition and modeled combustion conditions, whereas the emission-factor method uses standardized 

fuel factors. 

Table 10. Direct combustion emission indicators for coal and natural gas 

Fuel 
Aspen-predicted CO₂ 

emission, t/h 

Emission-factor-based 

direct CO₂ estimate, t/h 

Coal 1.297 1.648 

Natural Gas 0.941 1.105 

 

The Aspen Plus and emission-factor values represent two alternative calculation approaches and are not additive. 

The reported reductions apply only to direct furnace emissions. They do not include methane released during natural-

gas production, processing, transmission, or distribution, nor fugitive emissions from valves, compressors, connections, 

and other components within the fuel-supply system. Combustion-related methane slip at the furnace outlet was also 

not separately assessed in the present environmental comparison. These sources can reduce the overall greenhouse-gas 

advantage of natural gas because methane has a substantially greater warming effect per unit mass than CO₂. Therefore, 

the 27.5% reduction should be interpreted as an onsite CO₂ reduction rather than a complete life-cycle greenhouse-gas 

reduction [6]. Ladage et al. showed that the climate benefit of coal-to-gas switching is strongly dependent on methane 

emissions throughout the natural-gas supply chain, although their case study concerns electricity generation rather than 

industrial process heating [29]. In addition, sulfur-related emissions were not evaluated because sulfur-containing 

species were not reported in the available natural-gas composition. If present, these species could contribute to SO₂ 

and other sulfur-containing combustion products, as discussed in Section 2.2.3 [12]. 

These results demonstrate the potential of fuel switching to reduce onsite combustion emissions from the NPK 

drying process. However, the net contribution to broader decarbonization targets would require a life-cycle assessment 

that includes the origin and transportation mode of the natural gas, supply-chain methane leakage, and fugitive 

emissions at the industrial facility. A complete life-cycle assessment was outside the scope of this study because site-

specific data on natural-gas production, processing, transportation routes, and methane leakage rates were unavailable. 

Future assessments should incorporate these factors to determine whether the onsite CO₂ reduction is maintained across 

the complete fuel supply chain. 

 

3.3    Techno-Economic Analysis 

The calculated economic results are presented on the incremental replacement basis defined in Section 2.3.2. The 

analysis first compares the installed capital and annual operating costs of the replacement coal and natural-gas 

configurations. The resulting cost differences are then combined with the assumed monetary benefit of the direct CO₂ 

reduction to construct the incremental project cash flow. Economic feasibility is subsequently evaluated using NPV, 

IRR, simple payback period, discounted payback period, and carbon-value sensitivity.  

In the initial stage of investment cost calculation, the Chemical Engineering Plant Cost Index (CEPCI) is used to 

calculate equipment prices from the reference year to the present year. The CEPCI value is used explicitly in estimating 

equipment costs in the chemical industry, a significant component in the capital expenditure calculation. The CEPCI-
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based cost escalation and factorial cost-estimation approach followed established process-design methods [26], [27]. 

The following CEPCI chart, shown in Figure 2, shows the trend in the index from 1996 to 2025. 

 
Figure 2. Historical CEPCI data from 1996–2020 and linear projection to 2025 

The Chemical Engineering Plant Cost Index (CEPCI) was used to escalate reference equipment costs to the 

economic analysis year. CEPCI is commonly applied to adjust process-plant capital costs between different time 

periods [26], [27]. Because a consistent published annual value for 2025 was not available in the dataset used in this 

study, historical CEPCI values from 1996–2020 were fitted against calendar year using linear regression. Forecasting 

CEPCI from historical and economic trends has previously been investigated in process-cost estimation studies . The 

resulting correlation produced a projected 2025 CEPCI value of 684.35, which was used to escalate the reference 

equipment costs. Because the 2025 value was obtained through regression rather than from a published index, it should 

be interpreted as an estimated escalation factor [30]. The purchased-equipment, installation, and piping costs of the two 

replacement configurations are summarized in Table 11.  

 

 Table 11. Installed capital costs of the replacement configurations 

 

Table 11 shows total installed capital costs of USD 584,470.93 for the replacement coal configuration and USD 

656,591.10 for the natural-gas configuration. Under the incremental replacement basis, the additional investment 

attributable to selecting natural gas is therefore USD 72,120.17. This amount represents the cost difference between 

the two replacement alternatives, rather than the full cost of constructing the natural-gas configuration. A terminal 

salvage value of USD 45,771.18, corresponding to 10% of the natural-gas furnace purchase cost, was included as a 

cash inflow in year 10. This value is included in the cash flow for the final year of the project as a positive component, 

which increases the Net Present Value (NPV) and strengthens the overall economic viability of the project. The 

estimated annual operating-cost components of the coal and natural-gas configurations are compared in Table 12.  

The natural-gas configuration has an annual OpEx of USD 895,996.04, which is USD 12,594.33 higher than the 

coal-system OpEx of USD 883,401.71. Fuel expenditure increases by approximately 32.5% because of the assumed 

natural-gas price. This increase exceeds the savings obtained from lower utility, labor, maintenance, supervision, 

distribution, and supporting costs. Consequently, fuel switching does not provide a direct net operating-cost saving 

under the assumed prices, and the annual OpEx contribution to incremental cash flow is negative, valuing −12,594.33 

USD/year. Although the natural-gas configuration has a higher annual OpEx, the base-case economic scenario includes 

the assumed monetary benefit associated with the reduction in direct CO₂ emissions. 
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Component Coal, USD Natural Gas, USD Difference, USD 

Furnace purchase cost 379,398.91 457,711.82  78,312.91 

Compressor - 11,281.82 11,281.82 

Conveyor 38,080.32 - -38,080.32 

Installation 104,369.81 117,248.41 12,878.60 

Piping 62,621.89 70,349.05 7,727.16 

Total Installed CapEx 584,470.93 656,591.10 72,120.17 
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Table 12. Annual operating costs of the coal and natural-gas configurations 

Component Coal, USD/year Natural gas, USD/year Difference, USD/year 

Fuel 497,158.20 658,627.20 −161,469.00 

Labor 42,217.93 35,646.45 6,571.48 

Supervision 6,332.69 5,346.97 985.72 

Utilities 212,286.55 109,990.74 102,295.81 

Maintenance 29,223.55 13,131.82 16,091.73 

Supporting raw materials 4,383.53 4,383.53 0 

Laboratory 4,221.79 3,564.64 657.15 

Insurance 5,844.71 6,565.91 −721.20 

Property-related taxes 5,844.71 6,565.91 −721.20 

Additional costs 46,664.50 32,475.14 14,189.36 

Distribution 29,223.55 19,697.73 9,525.82 

Operational Expenditure Total 883,401.71 895,996.04 −12,594.33 

 

Table 13 presents the construction of the incremental cash flow used in the NPV, IRR, and payback calculations. 

The carbon-value benefit of USD 36,299.65/year exceeds the annual OpEx increase of USD 12,594.33/year, resulting 

in an annual net incremental cash flow of USD 23,705.32. The positive cash flow therefore arises from the assumed 

monetization of the direct CO₂ reduction rather than from an operating-cost saving. The cumulative discounted cash 

flow over the 10-year evaluation period is presented in Figure 3. 

 

Table 13. Construction of the base-case incremental cash flow 

Parameter Value Unit 

Incremental investment 72,120.17 USD 

Annual OpEx contribution −12,594.33 USD/year 

Direct CO₂ reduction rate 0.356954 tCO₂/h 

Annual direct CO₂ reduction 2,827.08 tCO₂/year 

Base-case carbon value 12.84 USD/tCO₂ 

Annual carbon-value benefit 36,299.65 USD/year 

Annual incremental cash flow 23,705.32 USD/year 

Terminal salvage value 45,771.18 USD 

Year-10 cash flow 69,476.50 USD 

 

 

 
Figure 3. Cumulative discounted cash flow of the incremental fuel-switching project 
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The project begins with an incremental investment of USD 72,120.17 at year 0. At the 12% discount rate, 

cumulative discounted cash flow remains slightly negative at the end of year 4 and becomes positive early in year 5, 

corresponding to a discounted payback period of approximately 4.01 years. The simple payback period, calculated 

using undiscounted cash flows, is approximately 3.04 years. At the end of year 10, the cumulative discounted value 

reaches USD 76,557.28, corresponding to the project NPV. A positive NPV indicates that the incremental project 

creates economic value relative to the selected 12% discount rate [31]. The sensitivity of project NPV to the discount 

rate is presented in Figure 4. 

 

 
Figure 4. Sensitivity of project NPV to the discount rate 

 

The project NPV decreases as the discount rate increases. At the selected discount rate of 12%, the project 

produces an NPV of USD 76,557.28. NPV reaches zero at approximately 32.10%, corresponding to the project IRR. 

Since the IRR exceeds the selected minimum required rate of return, the project satisfies the base-case economic 

criterion. Nevertheless, the economic conclusion is based primarily on NPV and supported by the IRR and payback 

indicators [31]. Because the annual incremental cash flow depends on monetization of the direct CO₂ reduction, the 

sensitivity of project NPV to the assumed carbon value is presented in Table 14. 

 

Table 14. Sensitivity of NPV to the assumed carbon value 

Scenario Carbon value, USD/tCO₂ NPV at 12%, USD 

No monetization 0.00 −128,543.85 

Break-even carbon value 8.05 0.00 

Low scenario 10.00 31,192.23 

Base case 12.84 76,557.28 

 

The results demonstrate that project feasibility is strongly dependent on the assumed monetary value of the CO₂ 

reduction. Without carbon monetization, the NPV decreases to −USD 128,543.85. The estimated break-even carbon 

value is approximately USD 8.05/tCO₂, below the base-case assumption of USD 12.84/tCO₂. Consequently, the project 

is economically feasible under the base case, but its attractiveness is conditional on the successful monetization of the 

direct emission reduction. 

Overall, the natural-gas configuration requires a higher incremental capital investment and produces a slightly 

higher annual operating cost than the replacement coal configuration. Nevertheless, under the base-case assumptions, 

the assumed monetary benefit of the direct CO₂ reduction generates a positive incremental cash flow, NPV, and IRR. 

The economic result should therefore be interpreted as conditional on the incremental replacement boundary, the 

selected carbon value, and the assumed eligibility of the complete direct emission reduction for monetization. Fuel 
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prices were held constant throughout the evaluation period; therefore, the reported economic indicators represent the 

stated base-case price conditions. 

 

4  Conclusions 

Based on the simulation and economic evaluation, switching from coal to natural gas provides technical and direct-

emission benefits but is economically feasible only under the stated incremental replacement and carbon-value 

assumptions. At the furnace boundary, coal produced 1,297.41 kg CO₂/h, whereas natural gas produced 940.46 kg 

CO₂/h, corresponding to a 27.5% reduction in direct combustion emissions. This reduction excludes upstream and 

fugitive methane emissions and therefore does not represent a complete life-cycle greenhouse-gas benefit. 

The natural-gas configuration requires an incremental investment of USD 72,120.17 and increases annual OpEx 

by USD 12,594.33 relative to the replacement coal configuration, primarily because of its higher fuel cost. Under the 

base-case carbon value of USD 12.84/tCO₂, the project yields an NPV of USD 76,557.28, an IRR of 32.10%, a simple 

payback period of 3.04 years, and a discounted payback period of 4.01 years. Without monetization of the direct CO₂ 

reduction, the NPV decreases to −USD 128,543.85. Consequently, the economic attractiveness of fuel switching is 

conditional on the incremental replacement boundary, the assumed carbon value, the eligibility of the direct emission 

reduction for monetization, and the base-case fuel prices. 
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